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Chapter 1 
 

INTRODUCTION 
 

This chapter provides the general background and motivation of this thesis. The 

summary of the following chapters is also presented. 

 

1.1 General background and motivation  

In the near future, there is no economical, abundant substitute for crude oil in the 

economies of the world. Maintaining the supply to propel these economies requires both 

developing additional crude oil reserves and improving oil recovery from the present 

reservoirs. The oil recovery methods that are commonly used include pressure depletion 

and waterflooding. Oil production by means of pure pressure depletion may result in an 

oil recovery less than 20% of original oil in place (OOIP), depending on the initial 

pressure and the compressibility of the fluids (Green and Willhite, 1998). And on 

average, water flooding whose purpose, in part, is to maintain reservoir pressure to 

recover more oil, leaves approximately two thirds of the OOIP as unswept and residual 

oil in reservoir for further recovery (Wardlaw, 1996). In fractured, oil-wet reservoirs, this 

number might be higher. 

Alkaline surfactant polymer (ASP) process is considered as a potential method for 

enhanced oil recovery (Nelson et al., 1984). Clark et al. (1988) considered four enhanced 

recovery methods, conventional waterflooding (40% OOIP), polymer-augmented 

waterflooding (40% OOIP), an alkaline-polymer waterflooding (40% OOIP) and an 
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alkaline-surfactant-polymer (ASP) flooding (56% OOIP), for the West Kiehl field in 

USA. They claimed that the ASP process could extend field life and increase ultimate 

recovery dramatically. Olsen et al. (1990) performed coreflood experiments by using 

fresh oil-wet, carbonate, Upper Edwards reservoir core material (Central Texas). Their 

results indicated that alkaline-surfactant-polymer flooding has a much better post-water-

flood recovery than alkaline-polymer flooding and polymer flooding. By using a 

reservoir simulator (UTCHEM) with detailed chemical mechanism modeled, Delshad et 

al. (1998) predicted oil recovery of the Karamay field, an onshore oil field in China. 

Among water, alkaline, surfactant-polymer, and alkaline-surfactant-polymer flooding, 

alkaline-surfactant-polymer flooding provided the best recovery result with 24% of OOIP 

incremental oil recovery over waterflooding.  

The field performance of the alkali surfactant process in the United States has 

been demonstrated by field tests performed by Shell (Falls et al., 1992) and Surtek (Wyatt 

et al., 1995). Operators of a Surtek project in Wyoming have reported very low 

incremental costs of $1.60 to $3.50 per bbl of incremental oil produced. 

In recent years, research on alkaline surfactant polymer flooding has attracted 

more interest (Hirasaki, 2002; Xie, 2004; Seethepalli, 2004). However, alkaline 

surfactant process is not a simple combination of alkali process and surfactant process. 

The mechanisms of ASP are not fully understood so that it is difficult to optimize an ASP 

operational strategy. The goals of this thesis are  

(1) Find out the controlling factor for the optimum conditions of alkaline surfactant 

system by phase behavior and interfacial tension experiments.  

(2) Develop and improve the experimental techniques for alkali surfactant systems. 
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(3) Understand the characteristics of ASP flooding process. 

(4) Optimize ASP process. 

(5) Confirm the ASP flooding design by 1-D flooding experiments. 

 

1.2 Summary of chapters 

This thesis is organized into eight chapters, including this introduction chapter. 

Chapter 2 describes the extensive background on this thesis. The EOR process 

and some chemical recovery mechanisms are reviewed, especially for the alkaline 

surfactant polymer system.  The technical information related to ASP process, such as 

the transport in porous media, phase behavior, is also introduced. 

Chapter 3 presents results on phase behavior for alkali surfactant system. The 

soap to surfactant ratio is introduced to correlate the optimum salinity, water oil ratio 

and surfactant concentrations. This relation is shown to be very important for 

understanding the characteristics of alkali surfactant systems. 

Chapter 4 investigates the interfacial tension (IFT) properties for brine crude oil 

system with or without alkaline surfactant. It shows the contamination test should be 

done for crude oil before further studies. An IFT measurement protocol for alkali 

surfactant system is developed. Experimental studies show that Huh’s correlation can be 

used to predict IFT by phase behavior tests. 

Chapter 5 provides results on the chemical consumption of alkaline surfactant 

process. The adsorption of anionic surfactants on carbonate media is extensively studied 
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with both static and dynamic experiments. Nonionic and anionic surfactant adsorption 

on silica sand is also shown in this chapter. Alkali consumption by gypsum is discussed 

at the end of this chapter. 

Chapter 6 discusses the characteristics of alkali surfactant polymer process by 

using a one-dimensional ASP simulator developed during this work, which includes the 

experimental results from previous chapters. The optimized operational area for ASP 

process is introduced based on this study. 

Chapter 7 shows the ASP flooding results with the formulation designed with 

experimental and simulation results in previous chapters. Good recovery is achieved 

with the optimized design.  

Chapter 8 is devoted to the conclusions of this thesis and recommendations for 

future research work. 
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Chapter 2 

  

Concepts and Techniques on Alkaline-Surfactant-Polymer 

Process  

 

This chapter provides the concepts and techniques background and reviews the 

previous work related to alkaline-surfactant-polymer process. It begins with general 

information on enhanced oil recovery (EOR), concepts in alkaline-surfactant-polymer 

(ASP) process and EOR mechanisms. The general properties and phase behaviors of 

alkali, surfactant, polymer and oil, which are very important to evaluate an ASP process, 

are also discussed. Successful numerical simulations, which can describe the ASP 

process, will help us understand ASP characteristics. This is at the end of this chapter.  

 

2.1 Enhanced Oil Recovery 

Enhanced oil recovery (EOR), which is also called tertiary recovery, is the oil 

recovery by injecting a substance that is not present in the reservoir. There are three main 

categories of EOR: thermal, gas, and chemical methods. Each main category includes 

some individual processes (Lake, 1989; Green and Willhite, 1998).  

Thermal methods, such as injecting steam, recover the oil by introducing heat into 

the reservoir. Thermal methods rely on several displacement mechanisms to recover oil. 

The most important mechanism is the reduction of crude viscosity with increasing 
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temperature. Thermal recovery continues to be an attractive means of maximizing the 

value and reserves from heavy oil assets (Greaser 2001). However, the viscosity 

reduction is less for lighter crude oil. Therefore, thermal methods are not nearly so 

advantageous for light crudes. 

Gas methods, particularly carbon dioxide (CO2), recover the oil mainly by 

injecting gas into the reservoir. Gas methods sometimes are called solvent methods or 

miscible process. Currently, gas methods account for most EOR production and are very 

successful especially for the reservoirs with low permeability, high pressure and lighter 

oil (Lake, 1989; Green and Willhite, 1998). However, gas methods are unattractive if the 

reservoir has low pressure or if it is difficult to find gas supply.  

Chemical methods include polymer methods, surfactant flooding, foam flooding, 

alkaline flooding etc.  The mechanisms of chemical methods vary, depending on the 

chemical materials added into the reservoir. The chemical methods may provide one or 

several effects: interfacial tension (IFT) reduction, wettability alteration, emulsification, 

and mobility control. Thomas (1999) stated that the technical limitations of chemical 

flooding methods were insufficient understanding of the mechanisms involved and the 

lack of scale-up criteria. Furthermore, the process should be cost-effective. ASP process 

is among the chemical methods. It is considered to be the most promising chemical 

method in recent years because it is possible to achieve interfacial tension reduction, 

wettability alteration, and mobility control effectively with the combination of alkali, 

surfactant and polymer. However, the understanding of ASP characteristics is inadequate 

so that it is difficult to optimize the ASP strategy. 
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2.2 Concepts on Alkaline-surfactant-polymer Process 

To describe the mechanisms of ASP process, some principal concepts are 

discussed below. 

2.2.1 Darcy’s Law  

A porous medium consists of a matrix containing void spaces or pores. Typically 

many of the pores are interconnected, allowing fluid flow to occur. Soils, rocks, sand, 

etc., are the examples of porous media. We can macroscopically use the 

phenomenological Darcy Law, which was originally developed by Henry Darcy 

(chevalier Henri d’Arcy) in 1856, to describe the flow through a porous medium. 

Consider a porous medium of absolute permeability k , into which a fluid with 

viscosity μ is injected by applying a flow potential  Φ across the matrix. The superficial 

flow rate u  is given by Darcy’s equation: 

Φ∇⋅−=
μ
ku          (2.1) 

where the permeability k , a quantity only depending on the geometry of the medium, 

describes the ability of the fluid to flow through the porous medium. 

Φ is the flow potential, which is defined as 

∫−=Φ
D

D

dDgp
0

ρ         (2.2) 

where  ρ  is the density of the fluid, g is the acceleration of gravity  

D is depth with respect to some datum such as the mean sea level. 

Darcy’s equation can be derived from the Navier-Stokes Equation for the 

Newtonian fluids by neglecting the inertial terms. For the high Reynolds number flow 
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where the inertial terms in the Navier-Stokes equation will have significant effect, 

Darcy’s equation needs some correction. For ASP applications, the Darcy’s equation is 

accurate enough because low Reynolds number situations are typically found in 

petroleum reservoirs.  

Darcy’s equation is a macroscopic equation originally derived for one phase flow. 

When it is applied to the multi-phase flow, some problems will arise. The capillary 

pressure between two different phases will cause some differences in their local pressure 

gradients. Moreover, the permeability of each phase depends on the local saturation of 

the fluids. To describe the multi-phase flow correctly, we should incorporate these effects 

into Darcy’s equation as: 

w
w

wrw
w

Skk
u Φ∇•−=

μ
)(

       (2.3) 

o
o

oro
o

Skk
u Φ∇•

⋅
−=

μ
)(

       (2.4) 

woc ppP −=          (2.5) 

where k⋅kri is the effective permeability of the porous medium to phase i, which is 

the product of the intrinsic permeability k and the relative permeability kri. 

The relative permeability kri is a function of fluid saturation Si, it may be a 

function of other phases in three phase flow. 

Pc is the capillary pressure, which is also a function of saturation.  

Si is the saturation of each phase. 

The mobility of each phase λi is defined as  

i

iri
i

Skk
μ

λ
)(⋅

=         (2.6) 
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Mobility ratio is defined as the ratio of mobility behind and ahead of a displacing 

front (Lake, 1989). If a mobility ratio greater than unity, it is called an unfavorable ratio 

because the invading fluid will tend to bypass the displaced fluid. It is called favorable if 

less than unity and called unit mobility ratio when equal to unity. 

 

2.2.2 Interfacial Tension 

Interfacial tension (IFT) is a force per unit length parallel to the interface, i.e., 

perpendicular to the local density or concentration gradient (Miller & Neogi, 1985). It is 

also defined as the excess free energy per unit area in the thermodynamic approach. Both 

definitions, energy per unit area and force per unit length, are dimensionally equivalent. 

The qualitative explanation for the interfacial tension comes from the anisotropic tensile 

stress in the interfacial region. The interfacial tension can be changed by temperature, 

salinity etc., and surfactants can produce significant interfacial tension decreases. 

Equation 2.7 is the Young-Laplace equation that is the basis of measuring 

interfacial tension by various techniques such as sessile bubble method, pendant bubble 

method, or spinning drop method 

σHpp BA 2−=−         (2.7) 

where  and  are two bulk phase pressures,  2H: the mean curvature of interface,  Ap Bp

σ : Interfacial tension between two fluid phases. 

 

2.2.3 Wettability 

  Wettability is the preference of one fluid to spread on or adhere to a solid surface 

in the presence of other immiscible fluids (Craig, 1971). The wettability of a crude oil-
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brine-rock system can have a significant impact on flow during oil recovery, and upon 

the volume and distribution of the residual oil (Morrow, 1990). Wettability depends on 

the mineral ingredients of the rock, the composition of the oil and water, the initial water 

saturation, and the temperature. Wettability can be quantified by measuring the contact 

angle of oil and water on silica or calcite surface or by measuring the characteristics of 

core plugs with either an Amott imbibition test or a USBM test. Contact angle tests for 

wettability are widely used. Figure 2.1 illustrates the force balance for contact angle tests. 

The equilibrium contact angle is defined by equation (2.8). 

wsosow σσθσ −=cos         (2.8) 

where  θ: equilibrium contact angle. 

σow: interfacial tension between oil and water phases, 

σws: surface energy between water and substrate, 

σos: surface energy between phase oil and substrate, 

 

Fig. 2.1 Force balance at three phase contact line 

 

An advancing contact angle is the contact angle measured through water phase 

when water is the displacing phase. The receding angle is the opposite: it is the contact 

angle measured through water phase when water is the displaced phase. Wettability of a 
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rock is usually defined as preferentially water-wet, intermediate-wet, or preferentially oil-

wet according to the value of water advancing contact angle (Morrow, 1991). 

 

2.2.4 Capillary Pressure 

Capillary pressure is the most basic rock-fluid characteristic in multiphase 

flows. It is defined as the difference between the pressures in the non-wetting and wetting 

phases as the equation (2.9) shows. It is related with the interfacial tension, wettability 

and the curvature of boundaries between different homogeneous phases. By using the 

Young-Laplace equation, capillary pressure for a circular tube can be calculated by 

equation (2.10), assuming a spherical interface: 

wnwc PPP −=          (2.9) 

R
Pc

θσ cos2
=          (2.10)  

where  Pc: capillary pressure,   

Pnw: pressure in the nonwetting phase,  

Pw: pressure in the wetting phase,  

 σ: Interfacial tension between two fluid phases, 

 θ: Contact angle, measured in wetting phase, 

 R: radius of the tube. 

 

 

2.2.5 Flooding and imbibition 

Flooding is the technique of increasing oil recovery from a reservoir by injection 

of water or other liquid, such as alkaline solution, surfactant solution etc., into the 
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formation to drive the oil to production well. Water flooding is also known as secondary 

oil recovery. The pressure gradient is the driving force for flooding. 

Imbibition is a fluid flow process in which the wetting phase saturation increases 

and the non-wetting phase saturation decreases. It is also defined as the process of 

increasing wetting phase saturation into a porous media. Spontaneous imbibition refers to 

imbibition with no external pressure driving the phase into the rock. In a water-wet 

reservoir, during water-flood, water will spontaneously imbibe into smaller pores to 

displace oil, but in an oil-wet reservoir, capillary forces inhibit spontaneous imbibition of 

water.  

This thesis focuses on the flooding process. But spontaneous imbibition is still a 

very useful method when flooding is not effective such as fractured reservoir with low 

permeability matrix. 

 

2.3 Enhanced Oil Recovery Mechanisms 

Based on the overall materials balance of the reservoir, the overall oil recovery 

efficiency can be defined as:  

reservoirinyoringinalloilofAmount
redecoveroilofAmount

N
N

E p
ro ==  (2.11) 

where  N is the Original Oil in place,  

Np is the cumulative oil recovered after the recovery process.  

The overall efficiency consists of volumetric sweep efficiency Evo and 

displacement efficiency Edo as the equation (2.12) shows. 

dovoro EEE =          (2.12) 
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The volumetric sweep efficiency Evo is the fraction of the volume swept by the 

displacing agent to total volume in the reservoir (Lake, 1989). It depends on the selected 

injection pattern, character and locations of the wells, fractures in the reservoir, position 

of gas-oil and oil-water contacts, reservoir thickness, heterogeneity, mobility ratio, 

density difference between the displacing and the displaced fluid, and flow rate etc. 

Usually, sweep efficiency can be decomposed as the product of areal sweep efficiency 

and vertical sweep efficiency. Areal sweep efficiency represents the fraction of total 

formation area swept by the injected displacing agent; vertical sweep efficiency denotes 

the fraction of the total formation volume in the vertical plane swept by the injected 

displacing agent. Poor sweep will significantly reduce the total recovery efficiency and 

increase recovery costs by increasing the volume of displacing agent required. Sweep 

efficiency can be greatly improved with mobility control methods, such as polymers, 

foams and WAG process (alternate water and gas injection). The polymer in ASP process 

could significantly increase the sweep efficiency. 

The displacement efficiency Edo is the ratio of the amount of oil recovered to the 

oil initially present in the swept volume. It can be expressed in terms of saturation as the 

equation (2.13). 

oi

oroi
do S

SS
E

−
=         (2.13) 

where  Soi is the initial oil saturation,  

Sor is the residual oil saturation after oil recovery process. 

The displacement efficiency is a function of time, liquid viscosities, relative 

permeabilities, interfacial tensions, wettabilities and capillary pressures. Even if all the oil 

were contacted with injected water during waterflooding, some oil would still remain in 
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the reservoir. This is due to the trapping of oil droplets by capillary forces due to the high 

interfacial tension (IFT) between water and oil. The capillary number Nvc is a 

dimensionless ratio of viscous to local capillary forces, often defined as in (2.14). The 

viscous force will help oil mobilization, while the capillary forces favor oil trapping 

(Lake, 1989).  

σ
μvNvc =          (2.14) 

where  v  is velocity,  

μ  is viscosity 

σ  is interfacial tension. 

 

Capillary Number Nvc

Figure 2.2 Capillary Desaturation Curves for Sandstone Cores (Delshad, 1986, 
Lake, 1989) 

Figure 2.2 shows capillary desaturation curves (CDC) that plot residual saturation 

of oil versus a capillary number on a logarithmic x-axis (Delshad, 1986, Lake, 1989). 

From figure 2.2, increasing capillary number reduces the residual oil saturation. The 
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residual oil saturations for both nonwetting and wetting cases are roughly constant at low 

capillary numbers. Above a certain capillary number, the residual saturation begins to 

decease. This phenomenon indicates that large capillary number is beneficial to high 

displacement efficiency because the residual oil fraction becomes smaller. Capillary 

number must be on the order of 10-3
 in order to reduce the residual oil saturation to near 

zero. Since it is difficult to increase the fluid viscosity or flow rate by several magnitudes, 

the most logical way to increase the capillary number is to reduce the IFT. Injection flow 

rates into a reservoir are often on the order of 1 ft/day and water’s viscosity is around 1 

cp. Therefore, the IFT should be below 10-2 mN/m so that capillary number is around 10-3. 

The principal objective of the ASP process is to lower the interfacial tension so that the 

displacement efficiency will be improved. The capillary desaturation curve in figure 2.2 

will be used in the simulation in this thesis 

If the driving force is gravity force or centrifugal force, Bond number, which is 

defined as in (2.15.a), is used (Hirasaki et al, 1990). Similar to capillary number, larger 

Bond number will be beneficial to high oil recovery. 

σ
ρΔ

=
kgN Bo         

 (2.15.a) 

where k is permeability 

 g is the gravity acceleration or centrifuging acceleration 

 Δρ is the density difference between oleic and aqueous phases 

 Pope et al. (2000) proposed a trapping number, which essentially combines the 

effects of capillary number and Bond number. The definition of trapping number is 

shown in equation 2.15.b. 
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σ
ρ )( PgKNT

∇+Δ⋅
=       

 (2.15.b) 

where NT is the trapping number 

 

2.4 Alkali Enhanced Oil Recovery 

An alkali is a base which produces hydroxide ions (OH-) when dissolved in water 

or alcohol. The alkali compounds that have been considered for oil recovery can generate 

high pH and include sodium hydroxide, sodium carbonate, sodium silicate, sodium 

phosphate, ammonium hydroxide etc.  

Oil recovery mechanisms in alkali flooding are complicated and there is a 

divergence of opinion on the governing principles. There are at least eight postulated 

recovery mechanisms (deZabala et al., 1982, Ramakrishnan and Wasan, 1983). These 

include emulsification with entrainment, emulsification with entrapment, emulsification 

with coalescence, wettability reversal, wettability gradients, oil-phase swelling, 

disruption of rigid films, and low interfacial tensions. The existence of different 

mechanisms should be attributed to the chemical character of the crude oil and the 

reservoir rock. Different crude oils in different reservoir rock can lead to widely disparate 

behavior when they contact alkali under dissimilar environments such as temperature, 

salinity, hardness concentration, and pH. However, all the researchers agree on the fact 

the acidic components in the crude oil are the most important factor for alkali flooding.  

The alkali technique can be distinguished from other recovery methods on the 

basis that the chemicals promoting oil recovery are generated in situ by saponification. 
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The acid number of a crude oil, which is one of the most important quantities in the alkali 

flooding, characterizes the amount of natural soap that can be generated by the addition 

of alkali. Acid number is defined as the milligrams of potassium hydroxide (KOH) that 

is required to neutralize one gram of crude oil (deZabala, 1983). It has long been 

recognized that carboxylic acids are constituents of most crude oil. Seifert and Howell 

(1969) isolated numerous aromatic carboxylic acids from the California Midway Sunset 

crude oil. Farmanian et al (1979) found similar results for other California crudes and 

suggested that phenolics and porphyrins might act as co-surfactants. 

   

 

Figure 2.3 Schematic of alkali recovery process (deZabala, 1982)  

Several investigators have proposed chemical models for the alkali-oil-rock 

chemistry. Figure 2.3 demonstrates one model by deZabala (deZabala, 1982). In this 

figure, HAo denotes the acid in oil phase, and HAw the acid in aqueous phase. Some 

experimental results (Ramakrishnan and Wasan, 1983; Borwankar et al., 1985) supported 

this alkali-oil chemistry model. The deficiency of hydrogen ions, which are consumed by 
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the hydroxyl ions in the aqueous phase, will promote the generation of the soap (Aw
-), 

which is an anionic surfactant other than synthetic surfactant.  

The generated Aw
- ions will adsorb at oil-water interfaces and can lower 

interfacial tension. Jennings et al (1974) investigated the IFT of a large number of crude 

oil samples with NaOH solutions of different concentration by using the pendant drop 

method at ambient temperature. They reported that despite a few oil samples which 

changed only a little in IFT, many samples showed a very low IFT at only one alkali 

concentration, while others displayed very low IFT over a broad range of alkali 

concentrations. Cooke et al. (1974) also found the addition of alkali could lower 

interfacial tension between oil and water. For many systems with low interfacial tension, 

IFT value was observed to be smaller than 0.001mN/m. Ramakrishnan and Wasan (1983) 

found that the IFT between oil and water are sensitive to both NaOH concentration and 

salinity, and the minimum IFT can be obtained in the concentration range of 0.01-0.1wt% 

NaOH. Qutubuddin et al. (1984) also found that the ultra-low interfacial tensions were 

observed with a suitable NaOH concentration which includes the high pH and electrolyte 

strength. The coexistence of soap and synthetic surfactant (Nelson, 1984) is the key 

factor of alkaline-surfactant process characteristics, which will be described in detail in 

this thesis. 

Wettability also plays an important role in oil recovery. Wettability reversal will 

produce fluid redistribution in the pore space, which may be very beneficial for oil 

recovery (Morrow, 1990). In the original wetting state of the medium, the nonwetting 

phase occupies large pores, and the wetting phase occupies the small pores. If the 

wettability of a medium is reversed, the wettabilty of large pores changes from oil wet to 
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water wet. The phenomenon that high-pH chemicals can alter the wettability has been 

known for several decades (Wagner and Leach, 1959, Emery et al., 1970, Ehrlich et al., 

1977, Olsen et al., 1990). For the oil-wet carbonate reservoirs, imbibition of water occurs 

only when the wettability changed from oil-wet to water-wet.   

Depending on the rock mineralogy, alkali can interact with reservoir rock in 

several ways, which include surface exchange and hydrolysis, congruent and incongruent 

dissolution reactions, and insoluble salt formation by reaction with hardness ions in the 

fluid and those exchanged from rock surface (Somerton and Radke 1983). Among those 

alkali-rock (clay) interactions, the reversible sodium/hydrogen-base exchange (equation 

2.16) is a very important mechanism of alkali consumption and cannot be neglected, as 

shown in Figure 2.3. 

OHNaMOHNaHM 2+⇔++ −+       (2.16) 

Where M  denotes a mineral-base exchange site. 

Furthermore, alkali can be used as a material to lower surfactant adsorption in 

alkaline-surfactant recovery process. This adsorption reduction effect will be 

demonstrated in Chapter 5. 

There are many alkali candidates for enhanced oil recovery, which include 

sodium hydroxide, sodium orthophosphate, sodium carbonate, and sodium silicate. 

Cheng (1986) made a comparative evaluation of chemical consumption during the 

alkaline flooding. The comparisons indicated that sodium carbonate might be a good 

candidate for the alkali flooding. Because of its buffering effect, sodium carbonate had 

less consumption and shorter alkali breakthrough times than the other alkalis. And 



 114

crushed dolomite sand will be used as an alternative carbonate media for the remaining 

dynamic adsorption experiments. 

As mentioned in previous section, the surface area of crushed dolomite sand that 

was determined by the BET adsorption is 0.3 m2/gram sand. With the porosity and 

dolomite density, β can be calculated by using equation (5.3), assuming the adsorption 

density, i.e., the adsorption amount per active surface area is not changed. Then, the 

adsorption from the static method and dynamic method can be compared as shown in 

figure 5.16. The break-through curve and the simulation curve of the surfactant mixture 

and NaCl for dolomite sand pack column (porosity is 0.34) are plotted in Figure 5.16.  
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Figure 5.16 Adsorption of TC blend in dolomite sand column without Na2CO3 

Figure 5.16 points out that the adsorption of surfactant on dolomite sand is 

significant. It also demonstrates that the adsorption of surfactants is not an instantaneous 

process and depends on the flow rate. At a high interstitial velocity of 12 feet/day 
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(β=0.22), the retardation is much smaller than that at 1.2 feet/day (β=0.34). Even at the 

lower flow rate, β is less than that calculated from the static adsorption isotherm 

(β=0.40).  
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Figure 5.17 Adsorption of TC blend in dolomite sand column with Na2CO3 

Similar to what was found in static adsorption, the addition of sodium carbonate 

can significantly reduce surfactant adsorption, as shown in Figure 5.17. At the same slow 

flow rate, β is reduced from 0.34 to 0.07 by adding 0.3 M Na2CO3.  

Table 5.1 summarizes the dynamic adsorption results. 
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Porous 
Media From Permeability Porosity Pore 

volume 
Inject 

Surfactant  
Flow 
rate 

Retardation 
β 

Silica sand 
(BET: 

0.2m2/g) 

US Silica 
Ottawa 

Foundry 
~120 darcy 

0.329 
±0.008 

 
49±1ml 

CS330 
(0.1%) 

 

8 
feet/day 0.02 ±0.03 

Silica sand 
(BET: 

0.2m2/g) 

US Silica 
Ottawa 

Foundry 
~120 darcy 

0.329 
±0.008 

 
49±1ml TDA-4PO 

(0.1%) 
8 

feet/day 0.02 ±0.03 

Silica sand 
(BET: 

0.2m2/g) 

US Silica 
Ottawa 

Foundry 
~120 darcy 

0.329 
±0.008 

 
49±1ml TC Blend 

(0.2%) 
8 

feet/day 0.04 ±0.04 

Dolomite 
core 

Marathon 
Oil 

Company 

122~284 md 
 

0.171 
±0.003 

 

21.6±0.
4 ml 

 

CS330 
(0.1%) 

5 
feet/day 0.27 ±0.03 

Dolomite 
sand BET: 

0.3m2/g 

Unimin 
corporation ~40 darcy 

0.335 
±0.008 

 

50±1ml 
 

TC Blend 
(0.2%) 

1.2 
feet/day 0.34 ±0.03 

Dolomite 
sand (BET: 

0.3m2/g 

Unimin 
corporation ~40 darcy 

0.338 
±0.008 

 

50±1ml 
 

TC Blend 
(0.2%) 

12 
feet/day 0.22 ±0.03 

Dolomite 
sand (BET: 

0.2m2/g) 

Unimin 
corporation ~40 darcy 

0.337 
±0.008 

 

50±1ml 
 

TC Blend 
(0.2%) 
Na2CO3 
(0.3M) 

1.2 
feet/day 0.07 ±0.04 

 
Table 5.1 Summarization of dynamic adsorption experiments’ condition and 

results. 

 
 

5.3 Sodium carbonate consumption by gypsum 

Pure calcite does not consume much alkali. However, the consumption of alkali in 

carbonate reservoir may be a crucial problem because of the precipitation reaction of 

alkali with gypsum or anhydrite. Because the solubility products of CaCO3 and CaSO4 

are 4.96*10-9 and 7.10*10–5 respectively (CRC Handbook, 68th Edition), it is a serious 

problem to apply Na2CO3 as the alkali candidate in the presence of gypsum or anhydrite 

because of the precipitation reaction shown as equation (5.13).  

−− +↓→+ 2
434

2
3 SOCaCOCaSOCO       (5.13) 
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By using the same analysis as in dynamic surfactant adsorption, figure 5.18 shows 

the retardation for a porous medium with porosity 0.3. It illustrates that the retardation is 

significant. For a 0.1M (~1%) Na2CO3, the concentration usually being considered for oil 

recovery processes, the retardation is around 0.7 PV for the condition that 0.1% of the 

porous medium is CaSO4. Although the propagation velocity of sodium carbonate can be 

increased by raising the injection alkali concentration, the total amount of alkali 

consumption will not change. It is impractical to solve this problem by increasing the 

sulfate ion concentration through adding Na2SO4 because of the tremendous difference 

between the two solubility products. Although this calculation is approximate because 

they are based on room temperature value of solubility products and neglect activity 

coefficients, the point made here is that other alkali should be considered when gypsum is 

present. 
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Figure 5.18 Relationships between retardation and CaSO4 fraction in porous 

medium (porosity=0.3) 
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NaHCO3 with Na2SO4 may be a potential choice for the situation with CaSO4. 

NaHCO3 has much lower carbonate ion concentration and additional sulfate ions can 

decrease calcium ion concentration in the solution. However, this method is not 

applicable again. The concentration of CO3
2- is around the one hundredth the 

concentration of NaHCO3 for a NaHCO3 solution so that large amount Na2SO4 is needed 

to avoid precipitation of CaCO3. For a 0.1M NaHCO3 solution, the carbonate ion 

concentration is around 1.0*10-3 M, and we need 14 M Na2SO4 to prevent the 

precipitation of CaCO3.  

The other alkali candidate is NaOH with Na2SO4 since the solubility product of 

Ca(OH)2 is 4.68*10-6. The reaction between NaOH with Na2SO4 is shown as equation 

(5.14). The minimum Na2SO4 concentration that restrains the Ca(OH)2 precipitation can 

be calculated by equation (5.15). For a 0.1 M NaOH solution, 0.15 M Na2SO4 is needed 

to suppress the calcium ion concentration so that no Ca(OH)2 will precipitate. Higher 

Na2SO4 is necessary with higher NaOH concentration. However, the adsorption of 

anionic surfactant will not decreased by NaOH formulation. 

4224 )(2 SONaOHCaCaSONaOH +⇔+      (5.14) 

2

)(

22
4 ][*15][][

2

4 −−− == OH
K
K

OHSO
OHspCa

spCaSO      (5.15) 

Some organic alkalis, such as sodium citrate, sodium metaborate, might be the 

alternate choices when gypsum is present because calcium citrate or calcium metaborate 

has larger solubility product than calcium sulfate. Further studies should be done in this 

area. 
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region. Thus, with the wide low IFT region in the alkali-surfactant system, higher oil 

recovery can be achieved for a larger range of salinities. High salinities can cause 

polymer-surfactant phase separation and lead to high surfactant and/or polymer retention. 

With the wide low tension region and soap to surfactant gradient, high recovery can be 

achieved by injecting at salinities well below the optimal value for the synthetic 

surfactant such that the surfactant and polymer will coexist in the same phase. 
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Narrow low IFT region
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(NI blend with Na2CO3) 
Recovery=84%
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(NI blend w/o Na2CO3)

 
Figure 6.13 Comparison of profiles between different low IFT region 

assumptions 

Another interesting phenomenon is the soap and surfactant concentration peak at 

surfactant front when the IFT region is narrow. The generation of this peak is due to the 

soap to surfactant gradient. As discussed in the previous section, soap and surfactant 

ahead of low IFT region are retarded, while soap and surfactant behind the low IFT 


